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 The main objective of this paper is to introduce power system economic 
operations in traditionally integrated power systems and market operations in 
deregulated power systems and study its effects. The power system economic 

operation is mathematically treated as an optimization problem. Also, a 
function of economic operation is to minimize generation cost, transmission 
losses, and so on, subject to power system operation constraints. In this 
paper, we start from generation cost formulations and introduce traditional 
economic dispatch model, optimal power flow model, and unit commitment 
model. With the deregulation of the power industry, integrated power system 
is unbundled to generation, transmission, and distribution. Electricity is 
traded in the wholesale market. Small customers purchase energy from 
electricity retailers through the retail market. The electricity market is 

operated for energy trading while satisfying power system operation 
requirements. Electricity market is mathematically modelled as an 
optimization problem that is subject to power system operation constraints 
and market operation constraints. 
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1. INTRODUCTION  

In traditionally vertically integrated power systems, power companies are responsible for generation 

planning, transmission planning, generation scheduling, and system real-time operation [1-5]. Before late 

1980s, computers were not widely applied in power system operations, and optimization technologies were 

not maturely developed for power system planning and operation [6-8]. Engineers use some straightforward 
methods to manually obtain suitable generation mixtures for the system, as well as to manually minimize the 

cost of generation scheduling [9-11]. Later, even after computer systems and various mathematic algorithms 

had been well developed for power system operations, the principle of generation planning and the way of 

generation scheduling, and dispatch were still based on the traditional methods [12-13]. Traditionally, each 

generating unit is assigned a certain number of operation hours per year. The number of annual operation 

hours depends on the type of the generating unit. For example, nuclear power is usually ON most of the time 

of the year except for maintenance. Its operation hours per year could be around 8,000 hours out of 8,760 

hours per year. Large hydro power stations serving baseloads usually operate for 6,000–8,000 hours per year 

[14-15]. For coal-fired power plants, the annual operation hours are around 5,000–7,000 hours. Oil-fired and 

combined-cycle units are around 2,000–4,000 hours, depending on the available generation sources in the 

https://creativecommons.org/licenses/by-sa/4.0/


                ISSN: 2502-4752 

Indonesian J Elec Eng & Comp Sci, Vol. 21, No. 3, March 2021 :  1247 - 1255 

1248 

system. Wind power is subject to wind resources, its annual operation hour is around 2,000 hours electricity 

load has its cycle [16-17]. 

The marginal cost has been commonly used to price the value of the commodity in a market. In a 

traditional economic dispatch, system marginal cost determines the optimal operation points for generators, 

as well as the system marginal price. For a generator, the marginal cost (or incremental cost) function is the 

first derivative of its generation cost function to generate output. If transmission losses are ignored and there 

is no transmission congestion, an optimized generation schedule results in an equal marginal cost for each 

generator [18-19]. We will use several examples to illustrate how to clear the spot market and how to obtain 
locational marginal prices. 

This part presents electricity market concepts and industry trends, also electricity market 

equilibrium, and characteristic of electricity. A market is a plane where producers and consumers of a 

product meet to make deals. Quantity of the product, price of the product, quality of the product. The main 

aim of the market is to bring down the production cost as low as possible and improve tariff to the customers 

and also to improve efficiency. The proposed research work will have impacts on consumer demand, supply 

on producer side and market equilibrium of the electricity as shown in Figure 1 [20-27]. 

Global Welfare is the sum of the consumer surplus and the producer profit it quantifies the benefit 

that arises from trading in Figure 2. External intervention redistributes the Global Welfare in favor of the 

producers the consumers or the government. Intervention examples are fixing a minimum or a maximum 

price, taxes and subventions. For a given hour, generator bids can be stacked in ascending order to form the 

system supply. Coal-fired steam power plants: provide more than half of the electric energy in the world. It 
can use any heat source to boil water and convert the rotational energy motion to electric energy. The 

efficiency of a thermal power plant is usually evaluated using heat rate.  

 

η =
Output (kWh)

Input(kWh)
=

Output (kWh)

(Input(kJ)/3600(
Kj

kWh
))

 (1) 

 

Heat rate can be expressed using efficiency η. 

 

Heat rate (kJ/kWh) =
3,600 (

Kj

kWh
)

η
 (2) 

 

 

  
  

Figure 1. Electricity market equilibrium Figure 2. Global welfare 

 

 

2. POWER GENERATION COSTS 

The composed of generation system composed are boiler, turbine, and generator is not a linear 

system. Heat rates/coal rates differ at different output levels. Temperatures and other factors of the boiler also 

affect coal consumptions. In power system economic operation, fuel consumption of a coal-fired generating 

unit is usually considered as a quadratic function of power output. The function can be obtained with 

measurement data through curve fitting. The fuel (coal) consumption of a generating unit can be expressed 

by: 

 

𝐹 = 𝑎𝑃2 + 𝑏𝑃 + 𝑐 (3) 
 

where: F is the amount of fuel consumed, P is the power output of the generating unit, and a, b, and c are 

coefficients.  
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To assess the cost of electricity generation from a power plant, both fixed cost and variable cost 

need to be considered. Fixed costs are the expenses no matter the power plant is on or off. Variable costs are 

mostly fuel costs and operation costs. They are related to the amount of generated electricity. Depending on 

different types of generations, fixed costs and variable costs are quite different. If screening curves are used 

together with the system annual load duration curve, the optimal mix of various generators and their 

capacities can be obtained for generation planning. Electricity demand has its own cycle; the rearranged load 

curve is the load duration curve of the day. If we draw the operation hours of the three types of generators for 

a 24-hour period are on a chronological daily load curve, as shown in Figure 3. It shows that the hydro power 

operates most of the time during the day except a few hours in the night. The gas turbine supplies only peak 

loads during morning peak and afternoon peak hours. The capital cost of a gas-fired power plant is much 
lower compared to that of a coal-fired power plant, natural gas is more environmental friendly than coal, the 

carbon dioxide produced by a gas-fired power plant is around half of that produced by a coal-fired power 

plant in Figure 4. 

 

 

  
  

Figure 3. Daily load curve Figure 4. Coal equivalent consumption 

 

 

3. THE PROBLEM OF ECONOMIC DISPATCH  

Conventionally, fuel cost is the major concern of dispatching a generating unit. Units with less fuel 

costs are dispatched to generate more electricity. This simple economic principle is straightforward for 

generation dispatch; however, it is hard to be implemented accordingly due to nonlinear characteristics of 
power generations. Fuel consumptions and generation outputs are not in a linear relationship. To obtain the 

most economical solution for generation dispatch, optimization model is needed for the dispatch problem. In 

this section, we will introduce the principle and the mathematical model of generation economic dispatch, as 

well as its solution methods. The solution of economic dispatch is to find a generation schedule for power 

balance between power suppliers (generators) and demand (customers), just like any other commodities. For 

generation dispatch. The objective is to find the power generation schedule 𝑃𝐺𝑖 for each generating unit i, and 

the solution is the most economic one. The generation cost is a nonlinear function of power output. Here, a 

quadratic function is used to represent the cost function of generating unit i. 

 

𝐶𝑖(𝑃𝐺𝑖) = 𝑎𝑃2
𝐺𝑖 + 𝑏𝑃𝐺𝑖 + 𝑐 (4) 

 

Where: Ci(PGi) is the generation cost function of unit i, and a, b, and c are coefficients. The objective of 

generation economic dispatch is to minimize the total generation cost Ctotal, which is the sum of the costs of 
all generating units. The objective function can be expressed as: 

 

𝑀𝑖𝑛 𝐶𝑇𝑜𝑡𝑎𝑙 ∑ 𝐶𝑖(𝑃𝐺𝑖)
𝑁
𝑖=1 = ∑ 𝑃𝐺𝑖 = 𝑃𝐿𝑜𝑎𝑑

𝑁
𝑖=1  (5) 

 

The power balance (5) ignores transmission network and losses. PLoad is the total system load, due to 

turbine design.  

 

𝜙 = 𝑃𝐿𝑜𝑎𝑑 − ∑ 𝑃𝐺𝑖
𝑁
𝑖=1  (6) 

 

The Lagrange function L is to add the constraint function ϕ multiplied by an undetermined multiplier 

λ to the objective function CTotal as: 

 

𝐿 = 𝐶𝑇𝑜𝑡𝑎𝑙 + 𝜆ϕ = ∑ 𝐶𝑖(𝑃𝐺𝑖)
𝑁
𝑖=1 + 𝜆(𝑃𝐿𝑜𝑎𝑑 − ∑ 𝑃𝐺𝑖

𝑁
𝑖=1 ) (7) 
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𝐿 = ∑ (𝐶𝑖(𝑃𝐺𝑖) −𝑁
𝑖=1 𝜆𝑃𝐺𝑖) + 𝜆𝑃𝐿𝑜𝑎𝑑  (8) 

 

For each independent variable 𝑃𝐺𝑖 and λ, we have: 

 
𝜕𝐿

𝜕𝑃𝐺𝑖
=

𝑑𝐶𝑖(𝑃𝐺𝑖)

𝑑𝑃𝐺𝑖
− 𝜆 = 0 (9) 

 

And         
𝜕𝐿

𝜕𝜆
= − ∑ 𝑃𝐺𝑖 + 𝑃𝐿𝑜𝑎𝑑

𝑁
𝑖=1 = 0 (10) 

 

With inequality constraints, the necessary conditions for an optimum can be found based on the 

complimentary slackness condition of KKT conditions. 
 

𝑑𝐶𝑖(𝑃𝐺𝑖)

𝑑𝑃𝐺𝑖
= 𝜆, for 𝑃𝐺𝑖

𝑚𝑖𝑛 < 𝑃𝐺𝑖 < 𝑃𝐺𝑖
𝑚𝑎𝑥  

𝑑𝐶𝑖(𝑃𝐺𝑖)

𝑑𝑃𝐺𝑖
𝑑 ≤ 𝜆, for 𝑃𝐺𝑖 = 𝑃𝐺𝑖

𝑚𝑎𝑥 (11) 

𝑑𝐶𝑖(𝑃𝐺𝑖)

𝑑𝑃𝐺𝑖
𝑑 ≥ 𝜆, for 𝑃𝐺𝑖 =   𝑃𝐺𝑖

𝑚𝑖𝑛   

 

3.1. Case study 

There are four generators in the system. Generator 1, 2, and 3 are coal-fired generators and 

generator 4 is a gas turbine. Their fuel consumption functions are given as follows: 

 
𝐹(𝑃𝐺1) = 0.148𝑃𝐺1

2 + 199.4𝑃𝐺1 + 16425 (12) 
 

𝐹(𝑃𝐺2) = 0.024𝑃𝐺2
2 + 252.7𝑃𝐺2 + 16686 (13) 

 

𝐹(𝑃𝐺3) = 0.136𝑃𝐺3
2 + 206.3𝑃𝐺3 + 15433 (14) 

 

𝐹(𝑃𝐺4) = 0.109𝑃𝐺4
2 + 168.0𝑃𝐺4 + 16639 (15) 

 

To find optimal generation schedule using economic dispatch neglecting losses if the system total 

load is 1,500 MW. Also, if the cost of fuel (coal equivalent) of generator 4 is 1.25 times of the fuel cost of 
other coal-fired generators. If the total cost and system incremental cost given the coal price is $80/tce (tce is 

ton of coal equivalent). Incremental fuel consumption functions for the generators. This is the optimal 

generation dispatch results. Generators 2 and 4 consume relatively less fuels, so their generation outputs are 

higher in the economic dispatch result. We assume that the coal price for coal-fired generators is ρ(in $/kg). 

If the fuel cost of generator 4 is 1.25 times that of other coal-fired generators, its fuel price is 1.25ρ (in $/kg).  

The incremental coal consumption is 284.16 kg/MWh, and the incremental cost is 284.16 kg/MWh 

times coal price ρ. Then, generation schedules for four generators are. The solutions show that the generation 

output of generator 4 is reduced due to its higher fuel cost. Other generators need to generate more electricity 

at a higher coal rate. Given coal price as ρ=0.08$/kg, then λ=22.73$/MWh. The total fuel cost is 36,152$ to 

generate 1,500MW within 1 hour. The average cost is 36,152$/1,500MWh =24$/MWh as shown in Table 1. 

First, the optimal solution without considering generation limits can be obtained. We find that generations 
from generators 1, 2, and 3 are within the limits, while the generation of generator 4 is higher than its upper 

generation limit. So, we set the generation output of generator 4 as 400 MW, which is its upper limit, then 

dispatch the remaining demand requirement (1,500MW−400MW=1,100 MW) among the rest three 

generators. As generator 4 reaches its upper limit 400 MW, while other generators need to generate more to 

satisfy the system load requirement. The incremental fuel consumption for generators 1, 2, and 3 with 

economic dispatch in this case studied is 279.58 kg/MWh. It is a little bit higher than the incremental fuel 

consumption 276.1 kg/MWh. The reason is that generator 4 reaches its upper generation limit. Other 

generators need to generate at higher output levels with higher incremental fuel consumptions, as shown in 

Table 2. 

 

 

Table 1. Generation schedule without constraint  
Generators PG1 PG2 PG3 PG4 Total 

Generation MW) 259.0 487.4 256.5 495.9 1500 

Cost ($) 6.24 11.64 6.18 12.67 36.74 

Generation MW) 286.2 655.3 286.3 272.2 1500 

Cost ($) 6.85 15.4 6.85 7.04 36.15 
 

Table.2. Generation schedule with constraint 
Generators PG1 PG2 PG3 PG4 Total 

Generation MW) 259.0 487.4 256.5 495.9 1500 

Generation MW) 270.8 559.9 269.3 400.0 1500 

Cost ($) 6.502 13.255 6.468 10.127 36.354 
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4. UNIT COMMITMENT 

This problem is unit commitment UC is an optimization process where the system operator choses 

the production units states (on-off) and their production level in order to minimize the production costs 

(system price or social welfare) and to meet demand, through a period of time (a day ahead or week ahead) 

subject to start and stop times, ramp rates and operational limits constraints of each production unit. In this 

section, we will use an studied case to explain the principles of unit commitment. Then, the mathematic 

model of unit commitment is presented and discussed. We first use an illustrative studied system to describe 

the basic concept of UC. Transmission network and losses are ignored in the studied for simplicity. Assume 

there are three generators in the system as shown in the following equations: 
 

𝐹(𝑃𝐺1) = 0.148𝑃𝐺1
2 + 199.4𝑃𝐺1 + 16425 (16) 

 

𝐹(𝑃𝐺2) = 0.024𝑃𝐺2
2 + 252.7𝑃𝐺2 + 16686 (17) 

 

𝐹(𝑃𝐺3) = 0.109𝑃𝐺3
2 + 168.0𝑃𝐺3 + 16639 (18) 

 

150𝑀𝑊 ≤ 𝑃𝐺1 ≤ 300𝑀𝑊, 300𝑀𝑊 ≤ 𝑃𝐺2 ≤ 600, and 250𝑀𝑊 ≤ 𝑃𝐺3 ≤ 400 (19) 
 

In this case, to simplify the calculation procedure, we select three generators. To supply the load in 

the system, there are seven options (23-1) to combine the three generators, which are shown in the following 

Table 3. For a load of 500 MW, options 1 and 3 do not have enough capacity to supply the load. The 

maximum outputs of generator 1 and generator 3 are lower than the load, 500 MW. Options 2, 4–7 are 

feasible solutions to supply the load. The next question is which option is the best solution. As the generators 

that are ON in each option is given, we can use economic dispatch ED or optimal power flow OPF to obtain 

the least-cost generation schedule for each option.  

In this studied case illustrative, transmission network is ignored. According to the results obtained in 

the tables, the best (optimal) UC options are summarized for different load levels and listed in Table 4. From 

the table, a priority list is obtained for generators with the increase in load. The priority list is (1) generator 3; 
(2) generators 1 and 3; (3) generators 2 and 3; (4) generators 1, 2, and 3. There are two peak load periods, one 

is in the morning before noon time and the other one is in the afternoon, the loads in the night is low. The 

Table 5 shows that generator 3 is always ON for the whole day. Generator 1 is switched on at 4 a.m. in the 

morning when the load increases. With further increase in load, generator 1 reaches its limit and swaps with 

generator 2, generator 2 is ON. When the load reaches the peak value, 1,300 MW, all three is ON. 

 

 

Table 3. Generation schedule with constraint 
options 1 2 3 4 5 6 7 

Generator 1 ON - - ON ON - ON 

Generator 2 - ON - ON - ON ON 

Generator 3 - - ON - ON ON ON 

Max. output (MW) 300 600 400 900 700 1000 1300 

 

 
Table 4. Unit commitment and generation schedule results for different load levels 
Load, MW 400 500 600 700 800 900 1,000 1,100 

Gen. 1 - 151 200 300 - - - 252.6 

Gen. 2 - - - - 400 500 600 447.4 

Gen. 3 400 349 400 400 400 400 400 400 

Consumption, kg 101,279 138,456 163,504 190,844 222,885 250,315 278,225 312,064 

 

 

Table 5. Unit commitment result for 24 hours 
Hour 1 2 3 4 5 6 7 8 9 10 11 12 

Load 500 400 400 500 500 600 700 800 900 1,000 1,100 1,000 

Generator 1 ON - - ON ON ON ON - - - ON ON 

Generator 2 - - - - - - - ON ON ON ON ON 

Generator 3 ON ON ON ON ON ON ON ON ON ON ON ON 

             

Hour 13 14 15 16 17 18 19 20 21 22 23 24 

Load 900 900 1,000 1,000 900 900 800 800 700 700 600 500 

Generator 1 - - - - - - - - ON ON ON ON 

Generator 2 ON ON ON ON ON ON ON ON - - - - 

Generator 3 ON ON ON ON ON ON ON ON ON ON ON ON 
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5. ELECTRICITY MARKET PRICING MODELS  

We will introduce market clearing mechanisms for both nodal price-based market and zonal price-

based market. To illustrate the electricity market clearing for a nodal price-based market, we will present the 

market model mathematically with an optimization problem. The optimization problem is solved to obtain 

locational marginal price LMP, which is the marginal price at each node.  

Nodal price-based market model: Due to line impedances and transmission limits, the cost-

effectiveness of demand changes on each node is different. So, the marginal cost is calculated for each node 

individually, which is a node/location based marginal cost. In an electricity market, cost functions are 
confidential information for generation companies. Marginal price of the market is calculated according to 

locations. It is called the locational marginal price LMP, which is a nodal price. The locational marginal price 

is obtained by solving the optimal power flow OPF-based market model. Optimal power flow-based market 

model: The objective function of the market model is to maximize the market benefit. In other words, it is to 

maximize the amount paid by buyers/customers and minimize the amount paid to sellers/generators. So, the 

buyers with higher bids and sellers with lower offers are selected. The objective function is formulated as: 

 

Min. Benefit = ∑ BiPDi
N
i=1 − ∑ SiPGi

N
i=1  (20) 

 

Where: BiPDi is the aggregated demand curve constituted by bid price-quantity pairs submitted by buyers, and 
SiPGi is the aggregated supply curve constituted by the offer price-quantity pairs submitted by sellers. It is 

assumed that electricity demand is elastic demand in the market. Buyers’ bids change at different load levels. 

However, in some cases, buyers’ bids are inelastic. Then, the objective function can be formulated as 

follows:  

 

Min. Payment = ∑ SiPGi
N
i=1  (21) 

 

We will use (20) and (21) as objective functions of the market model to study market clearing and 

the characteristics of locational marginal prices. The market model of this studied case can be written as 

follows:  

 

Min. Payment = ∑ Si(PGi
3
i=1 ) = 10PG1 + 20PG2 (22) 

 
The topology of a three-node power system is resistance of each line is ignored, which means there is no loss 

considered. There are two generators located at node 1 and node 2, respectively. The capacity of the 

generator at node 1, G1, is 300 MW, and its offer price is 10$/MWh. The capacity of the generator at node 2, 

G2 is 200 MW, and its offer price is 20$/MWh. The total load is 300 MW on node 2 and node 3, where 

PD2=50MW, and PD3=250MW. The objective function of a model is a two-segment function. Using the 

Lagrange function, the optimal solution for the model can be easily obtained as PG1=3(per unit), PG2=0. The 

price of 10$/MWh is, in fact, the energy component of LMP, as there is no loss or congestion in the market. 

The total payment to Generator 1 is 3000$ for 1 hour. Without considering the network effect of losses and 

congestions, the market model is quite simple. It can be formulated as follows:  

 

Min. Payment = ∑ SiPGi
N
i=1 = 12PG1 + 15PG2 + 20PG3 (23) 

 

The market model has a discontinuous objective function due to the piecewise payment function. 
The optimality can be obtained for each section. The marginal price is λ, which is formulated as:  

 

λ = {

12 0 < PD < 300 
15 300 < PD < 450
20 450 < PD < 650

 (24) 

 

As network effect is not considered, there is no difference identified for the locations of three 

generators. LMP is the same for all generators, and equal to λ. In fact, this is the energy component, as no 

loss or congestion component is counted. If the load is 400 MW, it falls in the second section, the marginal 

price is 15$/MWh for selected two generators: Generator 1 and Generator 2. Generator 3 is not selected due 

to its high offer price. If the load is 500 MW, the demand falls in the third section, the marginal price is 

20$/MWh for three generators, which are all selected by the market. 
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5.1. Without loss or congestions at L=300MW  

The capacity of the generator at node 1, G1, is 300 MW, and its offer price is 10$/MWh. The 

capacity of the generator at node 2, G2 is 200 MW, and its offer price is 20$/MWh. The total load is 300MW 

on node 2 and node 3, where PD1=50MW and PD2=250MW. Assuming that transmission line limits are not 

constrained, no congestion. The market model of this case can be written as follows: 

 

Min. Payment = ∑ SiPGi
N
i=1 = 10PG1 + 20PG2 (25) 

 

We have: PG1 = 300MW, PG2 = 0, LMP1 = LMP2 = LMP3 = 10$/MWh. The price of $10/MWh is, in fact, 
the energy component of LMPs, as there is no loss or congestion in the market. The total payment to 

Generator 1 is 3000$. Load at node 2 needs to pay 500$ and load at node 3 needs to pay 2500$. The total 

load payment at node 2, 3 are 3000$ as shown in Figure 5(a). 

 

5.2. Without loss or congestions at L=400MW 

We continue to test the market model and assume that the load is increased to 400MW, with 

PD2=50MW, and PD3=350MW. Rewriting the model, we can optimize the model for Load=400MW or 4pu. 

Using the similar method, the model is solved, and the solution are as follows:  

 

P12 = 40 MW, P13 = 260 MW and P23 = 90 MW, PG1 = 300MW, PG2 = 100 MW, 
LMP1 = LMP2 = LMP3 = 20$/MWh (26) 
 

Load at node 2 needs to pay 1000$, and load at node 3 needs to pay 7000$. The total load payment 

at node 2, 3 are 8000$, as shown in Figure 5(b). 

 

 

  
(a) Load = 300MW (b) Load = 400MW 

  
Figure 5. Without loss or congestion 

 

 

5.3. With congestions at L=300MW 

In this case, we continue assume the line between node 1 and 3 has a transmission limit 

P13max=200MW value of the transmission limit. The market optimization model for this case, the objective 

function and other constraints are the same. By substituting the value of X13=1, and P13 max=2pu. The 

constraint is formulated as the following model:  

 

Min. Payment = 10PG1 + 20PG2 (27) 

 
The necessary conditions for an optimal solution are that the derivatives of the Lagrange function 

with respect to control variables and state variables are equal to zero. By solving the previous five equations, 

we can obtain λ1=10$/MWh, λ2=20$/MWh, λ3=30$/MWh, and µ13=25$/MWh. The optimal solution for 

power generation is PG1=250MW, PG2=50MW, P12=50MW, P13=200MW, and P23=50MW. Load at node 2 

needs to pay 1000$, and load at node 3 needs to pay 7500$. At L=300MW, the total load payment at node 

2&3=8500$/hr. The results show that locational marginal prices for three nodes become different due to the 

congestion between node 1 and node 3. The LMPs are LMP1=10$/MWh, LMP2=20$/MWh, and 

LMP3=30$/MWh. Due to the transmission limit and congestion between node 1 and 3, we notice that the 

optimal generation schedule and LMPs have a big difference compared to the results of studied case without 

loss or congestion, which has no transmission limit. The less expensive generator, Generator 1, is not 



                ISSN: 2502-4752 

Indonesian J Elec Eng & Comp Sci, Vol. 21, No. 3, March 2021 :  1247 - 1255 

1254 

dispatched to generate at its full capacity due to the transmission ability of line 1–3. Generator 1 generates 

250 MW, and the remaining 50 MW is generated by the expensive Generator 2. Power flow is redistributed 

according to line impedances. Without transmission congestion, LMPs for all node are the same and equal to 

10$/MWh as shown in Figure 6(a). 

 

5.4.  With congestions at L=310MW 

This case to verify the locational marginal price obtained, we increase PD=310MW, and calculate 

the incremental payment due to the load increase. λ1=10$/MWh, λ2=20$/MWh, λ3=30$/MWh. PG1=240MW, 
PG2=70MW, and P12=40MW, P13=200MW, and P23=60MW. Load at node 2 needs to pay 1000$, and load at 

node 3 needs to pay 7800$. At L=310MW, the total load payment at node 2&3=8800$/hr. However, with 

congestions, LMP1=10$/MWh, LMP2=20$/MWh, and LMP3=30$/MWh. This means that customers at node 

2 and node 3 will need to pay. Load at node 2 needs to pay 1000$, and load at node 3 needs to pay 7500$. 

Both loads need to pay much higher than the case in without loss or congestion. The total payment from 

loads is 8500$. At the generation side, Generator 1 is paid by 2500$ and Generator 2 is paid by 1000$. The 

total amount received by generators is 3500$. The difference between the amount paid by loads and the 

amount received by the generators is the congestion cost, which is 5000$. From this case, it is shown that the 

congestion cost could be very high, and the risk of congestion (or delivery risk) is high in an electricity 

market. The methods to hedge congestion risk are necessary for an electricity market as shown in Figure 

6(b). 

 
 

  
(a) Load = 300MW (b) Load = 310MW 

  

Figure 6. With loss or congestion 

 

 

6. CONCLUSIONS 

There is different type of fuel to generate the electricity on the world some of the low fuel cost and 
high build cost and the vice versa. The most fears of the power system planning, and scheduling is the costs 

of generations. Because it's coupled with various factors. It has a different fixed costs and variable costs. The 

screening curves can help to generation planning for a long time according to forecasted load pattern of the 

system. Economic dispatch has been commonly used in power systems since a long time. The equal 

incremental cost method and the coordination equation are efficient in procuring optimized generation 

schedules.Optimal power flow is a more complicated version of economic dispatch by considering full 

network model using power flow equations. Unit commitment problem is a multiple time period optimization 

problem that optimizes the total operation cost and all start-up costs within a long time period. By making 

generation unit commitment schedules. The minimization of operation cost and start-up cost must be done for 

the whole time period to obtain generation schedules. From the market model solutions, we found that for a 

market without congestion, and without considering losses, the locational marginal price for each node is the 

same, and all are equal to the offer price of the marginal generator. The LMPs obtained in without 
considering losses are the energy components of locational marginal prices.  
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